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ABSTRACT

We developed two new EOS additions to the
TOUGH+ family of codes, the RealGasH20
and RealGas. The RealGasH20 EOS option
describes the non-isothermal two-phase flow of
water and a real gas mixture in a gas reservoir
(including a tight/shale gas one). The gas mix-
ture is treated as either a single-pseudo-
component having a fixed composition, or as a
multicomponent system composed of up to 9
individual real gases. The RealGas option has
the same general capabilities, but does not in-
clude water, thus describing a single-phase, dry-
gas system. The capabilities of two codes in-
clude: coupled flow and thermal effects in po-
rous and/or fractured media, real gas behavior,
inertial (Klinkenberg) effects, full micro-flow
treatment, Darcy and non-Darcy flow through
the matrix and fractures of fractured media, gas
sorption onto the grains of the porous media, etc.

The codes are verified against available analyti-
cal and semi-analytical solutions. Their capabil-
ities are demonstrated in a series of problems of
increasing complexity, ranging from isothermal
flow in simpler 1D and 2D conventional gas res-
ervoirs, to non-isothermal gas flow in 3D frac-
tured shale gas reservoirs involving 4 types of
fractures, micro-flow, non-Darcy flow and gas
composition changes during production.

INTRODUCTION

Background

TOUGH+ is a family of codes developed at the
Lawrence Berkeley National Laboratory (Morid-
is et al.,, 2008) that are a successor to the
TOUGH2 (Pruess et al., 1991) family of codes
for multi-component, multiphase fluid and heat
flow. It is written in standard FORTRAN
95/2003 to take advantage of all the object-
oriented capabilities and the enhanced computa-

tional features of that language. It employs dy-
namic memory allocation, follows the tenets of
Object-Oriented Programming (OOP), and in-
volves entirely new data structures and derived
data types that describe the objects upon which
the code is based. The TOUGH+ code is based
on a modular structure that is designed for max-
imum traceability and ease of expansion.

Objective

The main objective of this study was to develop
numerical capabilities allowing the description
of a wide range of processes involved in the
non-isothermal flow through the spectrum of
natural gas reservoirs in geologic systems, in-
cluding tight-gas and shale-gas reservoirs with
natural and/or induced fractures. To that end, we
developed two new EOS additions to the
TOUGH+ family of codes: the RealGasH20
and RealGas options for the description of
two-phase (aqueous and gas) and single-phase
(dry-gas) flow through complex geologic media,
respectively. Although the new capabilities can
provide solutions to the problem of prediction of
gas production from the entire spectrum of gas-
bearing reservoirs, of particular interest are ap-
plications to tight-sand and shale reservoirs, the
numerical simulation of which may involve ex-
tremely fine domain discretization, complex
fracture-matrix interactions in several subdo-
mains of the producing system, and coupled
thermophysical phenomena and processes.

CODE DESCRIPTION

The ensuing discussion focuses on the descrip-
tion of the TOUGH+RealGasH20 code (hereaf-
ter referred to as T+GW) describing the two-
phase flow problem of an aqueous and a gas
phase flow through a geologic system. The
TOUGH+RealGas code (hereafter referred to as
T+G) is entirely analogous, differing only in the



omission of water as a mass component, thus
solving the much simpler problem of single-
phase, dry-gas flow and production.

Fundamental Equations of Mass and Energy
Balance

A non-isothermal fractured tight-gas or shale-
gas system can be fully described by the appro-
priate mass balance equations and an energy
balance equation. The following components k,
corresponding to the number of equations, are
considered: k¥ = g, i.e., the various gaseous
components (compounds) i constituting the natu-
ral gas (i = 1, ..., Ng, Ng > 1); water (w), and
heat (6), treated as a pseudo-component. Note
that in T+GW it is possible to treat a real gas
mixture of constant composition (i.e., with non-
variant mole fractions Y') as a single pseudo-
component, the properties of which vary with
the pressure P and temperature T.

Following Pruess et al. (1999), mass and heat
balance considerations in every subdomain
(gridblock) into which the simulation domain is
been subdivided by the integral finite difference
method in TOUGH+ dictates that
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where V, V, are the volume and volume of sub-
domain n [m?]; M- is the mass accumulation term
of component k [kg m™]; A, I, are the surface
area and surface of subdomain n [m?*], respec-
tively; F- is the flow vector of component x [kg
m?s']; n is the inward unit normal vector; q- is

the source/sink term of component x [kg m~s™];
and ¢ is the time [s].

Mass accumulation terms
Under the two-phase (aqueous and gas) flow
conditions described by T+GW, the mass accu-
mulation terms M- for the mass components x in
equation (1) are given by
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where k= w,gi, i=1,.., Ng; ¢ is the porosity
[dimensionless]; p, is the density of phase f [kg
m>]; S, is the saturation of phase B [dimension-
less]; Xy is the mass fraction of component in
phase B [kg/kgl; px is the rock density [kg m™];
¥ is the mass of sorbed component g' per unit

mass of rock [kg/kg]; and &; = 0 for non-sorbing
media (including tight-gas systems) that are usu-
ally devoid of substantial organic carbon, while
ds = 1 in gas-sorbing media such as shales.

The first term in equation (2) describes fluid
mass stored in the pores, and the second the
mass of gaseous components sorbed onto the
organic carbon (mainly kerogen) content of the
matrix of the porous medium. The latter is quite
common in shales. Although gas desorption
from kerogen has been studied extensively in co-
albed CH, reservoirs, and several analytic/semi-
analytic models have been developed for such
reservoirs (Clarkson and Bustin, 1999), the
sorptive properties of shale are not necessarily
analogous to coal (Schettler and Parmely, 1991).

Gas sorption terms

The most commonly used empirical model
describing sorption onto organic carbon in
shales is analogous to that used in coalbed
methane and follows the Langmuir isotherm
that, for a single-component gas, is described by

Pacy

pi= for ELaS
Pic T D1 (3)
ar_ kL( Py _ qﬂ’) for KLa$S
dt Pic tPr

where p4c is the dry gas pressure, ELaS indicates
Equilibrium Langmuir Sorption, and KLaS
denotes Kinetic Langmuir Sorption. The m; term
in equation (3) describes the total mass storage
of component g' at infinite pressure (kg of
gas/kg of matrix material), p; is the pressure at
which half of this mass is stored (Pa), and k; is a
kinetic constant of the Langmuir sorption (1/s).
In most studies applications, an instantaneous
equilibrium is assumed to exist between the
sorbed and the free gas, i.e., there is no transient
lag between pressure changes and the
corresponding sorption/desorption responses and
the equilibrium model of Langmuir sorption is
assumed to be valid (Figure 6). Although this
appears to be a good approximation in shales
(Gao et al.,, 1994) because of the very low
permeability of the matrix (onto which the
various gas components are sorbed), the subject
has not been fully investigated. For multi-
component gas, equation (3) becomes
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where B’ is the Langmuir constant of component
g'in 1/Pa (Pan et al., 2008), and Y' is the dimen-
sionless mole fraction of the gas component i in
the water-free gas phase. Note that the T+HGW
and T+G codes offer the additional options of
linear and Freundlich sorption isotherms (equi-
librium and kinetic). These are described by the
following equations:
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where ELiS and KLiS denote equilibrium and
kinetic linear sorption, respectively; EFS and
KFS denote equilibrium and kinetic Freundlich
sorption, respectively; K'; and K's are the distri-
bution coefficients of the ELiS and EFS sorption
isotherms of gas component i, respectively; p' is
the partial pressure of i; ', and k' are the kinetic
coefficients of the ELiS and EFS sorption iso-
therms of i, respectively; and ¢ is the exponent
of the Freundlich sorption isotherm.

Heat accumulation terms

The heat accumulation term includes contribu-
tions from the rock matrix and all the phases,
and is given by the equation
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where Cr = Cg(T) is the heat capacity of the dry
rock [J kg K']; U, is the specific internal energy
of phase B [J kg']; u' is the specific internal en-
ergy of sorbed gas component i [J kg'];T is the
temperature [K]; and T, is a reference tempera-
ture [K]. The specific internal energy of the gas-
eous phase is a very strong function of composi-
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tion, is related to the specific enthalpy of the gas
phase Hg, and is given by
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where u- is the specific internal energy of com-
ponent k in the gaseous phase, and Uy, is the
specific internal energy departure of the gas mix-
ture [J kg']. The internal energy of the aqueous
phase accounts for the effects of gas and inhibi-
tor solution, and is estimated from

U; =
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where 1" and u' are the specific internal energies
of H,O and of natural gas component i at the P
and T conditions of the aqueous phase, respec-
tively, and U',, are the specific internal energies
of dissolution of the gas component i in H,O.

Fluid flow terms

The mass fluxes of water and of the gaseous
components include contributions from the
aqueous and gaseous phases, i.e.,

F* = Y By, k=wg,i=l.,Ng (10)
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For phase 8, F, = X, F,. In T+GW and T+G,
there are three options to describe the phase flux
F,. The first is the standard Darcy’s law, i.e.,
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where k is the rock intrinsic permeability [m*];
k., is the relative permeability of phase S [di-
mensionless]; u, is the viscosity of phase § [Pa
s]; P, is the pressure of the aqueous phase [Pa];
and g is the gravitational acceleration vector [m
s?]. In T+GW, the relationship between the
aqueous and the gas pressures, P, and Pg, re-
spectively, is given by P, = P; + P.g4, Where
P4 1s the gas-water capillary pressure [Pa]. The
P.;4 options are the standard ones available in
the TOUGH2 and TOUGH+ family of codes
(Pruess et al., 1999; Moridis et al., 2008).

Ky =pp

The mass flux of component x in the gas phase
incorporates advection and diffusion contribu-
tions, and is given by

Fg = (1 + Pi) vaGXg - ¢SGTGDngVXg 5 s (12)
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where b is the Klinkenberg (1941) b-factor ac-
counting for gas slippage effects [Pa], the term
J: ¢ 1s the diffusive mass flux of component « in
the gas phase [kg m? s™'], DkG is the multicom-
ponent molecular diffusion coefficient of com-
ponent k in the gas phase in the absence of a po-
rous medium [m? s™'], and 7, is the gas tortuosity
[dimensionless]. There are several methods to
compute 7; in the T+GW and T+G codes, in-
cluding the Millington and Quirk [1961] model.
The diffusive mass fluxes of the water vapor and

the natural gas components are related through
the relationship of Bird et al. (2007)
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which ensures that the total diffusive mass flux
of the gas phase is zero with respect to the mass
average velocity when summed over the compo-
nents. Then the total mass flux of the gas phase
is the product of its velocity and density.

If the flow is non-Darcian, then the equation F, =
p,v, still applies, but v, is now computed from
the solution of the quadratic equation

in which S, is the “turbulence correction factor”
(Katz et al., 1959). The quadratic equation in
(14) is the general momentum-balance
Forcheimer equation (Forchheimer, 1901; Wat-
tenbarger and Ramey, 1968), and incorporates
laminar, inertial and turbulent effects. This is the

second option. The solution then is
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and v, from equation (15) is then used in the
equations of flow (11) and (12). T+GW and
T+G offer 13 options to compute f,, several of
which are listed in Finsterle (2001). The third
option follows the approach of Barree and Con-
way (2007), as described by Wu et al. (2011),
which involves a different formulation of V& 5

+4B, 0V,

The Klinkenberg b-factor is either provided as
input, or is computed using the relationship
proposed by Jones (1972) as

£=(£)_0‘36, _______________________________________________ (16)
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where the subscript 0 denotes a reference

medium with a known b-factor and %, such as
those listed by Wu et al. (1998).

Micro-flow: Knudsen diffusion and Dusty Gas
model

For ultra-low permeability media (such as tight
sands and shales) and the resulting micro-flow
processes, the Klinkenberg b-factor for a single-
component or pseudo-component gas in T+GW
and T+G is computed by the method of Florence
et al. (2007) and Freeman et al. (2011) as
i=(1+0¢Kn)(l+ﬂ)—l,
> 1+K,

where K, is the Knudsen diffusion number (di-
mensionless), which characterizes the deviation
from continuum flow, accounts for the effects of
the mean free path of gas molecules being on the
same order as the pore dimensions of the porous
media, and is computed from (Freeman et al.,
2011) as

L= Ug nRT ¢ (18)
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with M being the molecular weight and T the

temperature (°K). The term « is determined from
Karniadakis and Beskok (2001) as
128
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For simplicity, we have omitted the i superscript
in equations (16) to (19). The Knudsen diffusion
can be very important in porous media with very
small pores (on the order of a few micrometers
or smaller) and at low pressures. For a single gas
pseudo-component, the properties in (16) are
obtained from an appropriate equation of state
for a real-gas mixture of constant composition
Y'. The Knudsen diffusivity Dy [m*s] can be
computed as (Civan, 2008; Freeman et al., 2011)

D, - 4\ko_ [zRT e -k (20)
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For a multicomponent gas mixture that is not
treated as a single pseudo-component, ordinary
Fickian diffusion must be taken into account as
well as Knudsen diffusion. Use of the advec-
tive—diffusive flow model (Fick’s law) should be
restricted to media with &> 107> m?; the dusty-
gas model (DGM) is more accurate at lower k



(Webb and Pruess, 2003). Additionally, DGM
accounts for molecular interactions with the pore
walls in the form of Knudsen diffusion. Shales
may exhibit £ as low as 107" m?, so the DGM
described below is more appropriate than the
Fickian model (Webb and Pruess, 2003; Doronin
and Larkin 2004; Freeman et al., 2011):
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where N’ is the molar flux of component i in
mole/m*/s, D.” is the effective gas (binary) diffu-
sivity of species i in species j, Dy’ is the Knud-
sen diffusivity of species i.

Gas solubility

There are two options for estimating the
solubility of a gas i into the aqueous phase in
T+GW. The first (and simpler one) is based on
Henry’s Law, described by the relationship

p'=HX,, (22)
where H' [Pa] is referred to as Henry’s factor
and is a 7-dependent, species-specific factor
(thus, it cannot be called Henry’s constant).
T+GW includes a library of fast parametric rela-
tionships of H' = H'(T), and this is the preferred
option if a single gas component or pseudo-
component is involved. The second option is
based on the equality of fugacities in the aque-
ous and the gas phase, and involves the chemical
potentials of the various species in solution.

Heat flux

The heat flux accounts for conduction, advection
and radiative heat transfer, and is given by

F' =—k,VT+ f,0,VT" + Y hF,. (23)
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where 120 is a representative thermal conductivi-
ty of the fluid-impregnated rock [W m™ K™']; 4,
is a specific enthalpy of phase B [J kg']; f. is the
radiance emittance factor [dimensionless]; g, is
the Stefan-Boltzmann constant [5.6687x 10 J
m™ K. The specific enthalpy of the gas phase
is computed as
Hy= Y X5hi+H
K=w.g;

where hf is the specific enthalpy of component

S il

k in the gaseous phase, and Hy,, is the specific

enthalpy departure of the gas mixture [J kg].
The specific enthalpy of the aqueous phase is
estimated from
Hy=X5ny + x5 (h) o+ HE ) (25)
where 4} and h¢ are the specific enthalpies of
H,O and of the natural gas components in the
aqueous phase, respectively, and H¢, is the
specific enthalpy of dissolution [J kg'] of gas
component g' in the aqueous phase.

Source and sink terms. In sinks with specified
mass production rate, withdrawal of the mass
component £ is described by

q" = EX;qﬁ, kK=w,g' (i=1,.,N,)» (26)
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where ¢, is the production rate of the phase b [kg
m™]. For a prescribed production rate, the phase
flow rate ¢, is determined from the phase
mobility at the location of the sink. For source
terms (well injection), the addition of a mass
component k occurs at desired rates.

Thermophysical properties

The water properties in the T+HGW code are ob-
tained from steam table equations (Pruess et al.,
1999; Moridis et al., 2008). All the real gas
properties in T+G and T+GW are computed
from one of the three available options of cubic
equations of state that were first developed for
TOUGH+HYDRATE (Moridis et al., 2008).

Solution approach

The fully implicit discretized nonlinear balance
equations are expressed in residual form, are
then linearized by the Newton-Raphson method,
and the resulting Jacobian is solved in the stand-
ard approach used in all TOUGH applications
(Pruess et al., 1999). In T+G, the primary varia-
bles that constitute the solution vector are p, ' (i
=1,..., Ng), and T; in T+GW, the primary varia-
bles are the same for single-phase gas; p, X'4 and
T for single-phase aqueous conditions, and S, ¥’
and T for two-phase conditions.

VALIDATION EXAMPLES

Problem V1: Real gas flow in a cylindrical
reservoir

Using the concept of pseudo-pressure, Fraim and
Wattenbarger (1986) developed a solution to the



problem of transient flow in a finite cylindrical
real-gas reservoir with a producing well at its
center, described as:
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where E; denotes the exponential integral,
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1y is the pseudo-pressure, r is the radius, 7, is the
well radius [m], p, is a reference pressure [Pa], ¢,
is the total compressibility [Pa], gy is the volu-
metric production rate [ST m’/s], B is the for-
mation volume factor, 4 is the reservoir thick-
ness, and the subscript 0 indicates the initial
conditions. The data used in the simulation of
this validation problem appear in Table 1. The
domain discretization involved logarithmically
increasing Ar’s. Figure 1 shows an excellent
agreement of the analytical and the T+GW nu-
merical solutions at various sampling times. The
T+G code yields an identical solution.

Pp =

Table 1. Properties and conditions in Problem V1.

Data Type Values

Matrix permeability k& 3.04x10™"* m* (30.4 mD)
Reservoir thickness 4 10 m

Well radius r,, 0.059 m
Reservoir radius 7, 100 m
Reservoir pressure p 10 MPa
Reservoir temperature T 60 °C
Reservoir porosity ¢ 0.30

Rock compressibility 2x10'° 1/Pa

Gas composition 100% CH,

Gas EOS Peng-Robinson

TOUGH+H20Gas Validation, Transient Gas Flow Compared with

102 1e7 Analytical Pseudpressure Solution - Multiple Timesteps

0.98

EOQG
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0.94
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X XXx Numerical
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Figure 1. Comparison of the analytical and the

T+GW solutions in problem V1.

Problem V2: Water flow in a cylindrical
reservoir

Blasingame (1993) developed an analytical solu-
tion of pseudo-steady state flow in a circular
reservoir with a producing well at its center and
impermeable boundaries at r=r,. Using the data
listed in Table 2, the T+GW solution in Figure 2
(based on a grid with logarithmically increasing
Ar’s) practically coincides with the analytical
solution, increasing confidence in the code.

Table 2. Properties and conditions in Problem V2.

Data Type Values

Matrix permeability k& 3.04x10™* m* (30.4 mD)
Reservoir thickness 4 10 m

Well radius r,, 0.059 m
Reservoir radius 7, 100 m
Reservoir pressure p 10 MPa
Reservoir temperature T 30 °C
Reservoir porosity ¢ 0.30

Total compressibility c, 4.88x107'° 1/Pa

Gas EOS Peng-Robinson
TOUGH+H20Gas Validation, Pseudosteady-State Water Flow
Compared with Analytical Solution, t = 3.18 days
4000000
3000000
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Figure 2. Problem V2: Comparison of the analytical
and the T+GW solutions at ¢ = 3.18 days.

Problem V3: Gas flow in a tight gas reservoir
with vertical well intersecting a vertical
fracture plane

Cinco-Ley et al. (1978) proposed an analytical
solution to the problem of a gas flow in a low-
permeability ‘slab’ of a gas reservoir (i.e., with
infinite-acting boundaries), in which a vertical
well intersects the middle axis of a vertical pla-
nar fracture. Treating the “slab” reservoir as a
single layer, we solved the same problem nu-
merically using a 2D domain with sufficiently
long dimensions to satisfy the infinite-acting




boundary conditions during the simulation peri-
od. From the data in Table 3, this is an ultra-
tight fractured reservoir with no gas sorption.

The numerical solutions from the T+G and
T+GW codes are identical. The point pressure
results in Figure 3 identify the element centers
and shows the very fine discretization (begin-
ning from mm-scale) in the vicinity of the frac-
ture. The contour plot of the pressure distribu-
tion at t = 2.13 years (Figure 4) clearly shows
the effect of the fracture and the resulting flow
pattern. The log-log plot of production rate vs.
time in Figure 5 includes the fully coinciding
analytical and numerical solutions, and exhibits
the typical -7 slope of vertically fractured reser-
voirs under production.

Table 3. Properties and conditions in Problem V1.

Values

3.08x107" m* (30.8 nD)
Fracture permeability & 6.68x10"* m? (0.668 D)

Data Type

Matrix permeability k&

Fracture half-length 20 m
Reservoir thickness 4 10 m
Well radius r,, 0.05m
Well pressure p,, 5 MPa
Reservoir pressure p 10 MPa
Reservoir temperature T 60 °C
Reservoir porosity ¢ 0.10
Rock compressibility 2x10'° 1/Pa
Gas composition 100% CH,

Gas EOS Peng-Robinson
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Figure 3. Point cloud of pressure distribution at ¢ =
2.13 years in problem V3, indicating discretization.
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Figure 4. Pressure dustribution in the tight gas reser-
voir in Problem V3 (T+G and T+GW solutions).
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Figure 5. Gas production rate at the well in Problem
V3 (coinciding analytical, T+G and T+GW solutions).

APPLICATION EXAMPLES

Problem Al: Gas production from a shale gas
reservoir using a horizontal well

This T+G study focuses on a Cartesian 3D sten-
cil of a horizontal well section that is typical of a
Type 1 shale gas system (Figure 6), as defined
and investigated by Freeman (2010) and Moridis
et al. (2010). Such systems involve the (usually
hydraulically) induced primary fractures (PF),
the undisturbed matrix, and the stress release
fractures around the well. The data used in this
simulation were as in Freeman (2010). The sur-
face area of the Cartesian system at the well was
corrected to reflect its cylindrical geometry. The
discretization involved subdivisions as small as
mm-scale near the fracture face, and resulted in
about 800,000 gridblocks. The gas was 100%
CH,. The predicted production rate when the
well is operated at a constant bottomhole pres-



sure P, is shown in Figure 7, which also lists
some of the data used in the simulation. Note
that here, and in Problem A2, dimensioneless
variables are used, which are defined as:

i1 = 0.0002637—% ! £ (28)
puicyc [1+(0.00525)7 ]
ey
qp =141 Bl (29)

2——q
kh(p; = pwr)
The T+GW results were identical.

Problem A2: Gas production from a shale gas
reservoir with a complex fracture system
using a horizontal well

Problem A2 is a sensitivity analysis study that
aims to determine the effects of more complex
fracture regimes. These are represented by
Types II, Il and IV (Figure 8), which include
secondary planar fractures (perpendicular to the
primary fractures), natural fractures, and all
types of fractures, respectively. Type IV is the
most complex system to describe, simulate and
analyze. The data in these simulations were as in
Freeman (2010). The natural fractures were de-
scribed by a dual-porosity model using the
MINC concept, and the secondary fractures were
represented as individual sub-domains.

The T+G and T+GW results in Figure 9 (which
include the Type I predictions for reference)
confirm the importance of the additional frac-
tures on production. Type IV exhibits the high-
est early production because of its maximum
surface area and the largest number of flow
pathways to the well, but also among the fastest
production declines because of exhaustion of the
gas and its slow replenishment from sorption.
The other types exhibit intermediate behavior.

|‘/ df/z”/’l /\

Figure 6. Stencil of a Type I system involving a hori-
zontal well in a tight- or shale-gas reservoir (Moridis
etal., 2010).

-6 5 4 3 2 -1 o 1 2

10 10° 10 10° 10 10 10 10 10
B e e T T

Ty T
Legend: 4p , dp;, and qpyq versus tp
(ap) Rate

...... (gp/) Rate Integral

———= (gpiq) Rate Integral Derivative

|

imulation Input :
k=100 nD, d, = 32.8 ft, V, = 100 ScfiTon
W, =0.00033 ft, F, = 1.05, x, = 32.8 ft

Dimensionless Rate Functions (qp , qp;, and gpjq)

Dimensionless Time (tp)
Figure 7. Prediction of gas production in Problem Al
(Freeman et al., 2010).
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Figure 8. Stencils of Type II, IIT and IV systems in-
volving a horizontal well in a tight- or shale-gas res-
ervoir (Moridis et al., 2010).



Dimensionless Rate Function (qp)

Dimensionless Time (tp)
Figure 9. Effect of fracture regime on gas production
in Problem A2 (Freeman et al., 2010).

Problem A3: Flowing gas composition
changes in shale gas wells

Here we investigate compositional changes over
time in gas produced from a shale reservoir. The
initial gas composition was: ¥ = 80% CH,, 7%
C2H6, 5% C3Hg, 5% C4H1(), 2% C5H12 and 1%
CeéHis. A Type I system was assumed. The sys-
tem characteristics, properties and conditions are
as described in Freeman et al. (2012). Gas was
produced by maintaining the well at a constant
bottomhole pressure.

The identical T+G and T+GW results in Figure
10 include both (a) the flow rate, which shows
the slope of -% typical of fractured shale reser-
voirs, and (b) the compositional deviation of the
produced gas over time, which clearly shows
inflection points correlating perfectly with the
times at which significant changes occur in the
gas flow regime in the shale.

SUMMARY

We discuss the T+G and T+GW additions to the
TOUGH+ family of codes. T+GW describes the
non-isothermal two-phase flow of water and a
real gas mixture of up to 9 components in a gas
reservoir (including a tight/shale gas one), and
accounts for coupled flow and thermal effects in
porous and/or fractured media, real gas behav-
ior, inertial (Klinkenberg) effects, full micro-
flow treatment, Darcy and non-Darcy flow
through the matrix and fractures of fractured
media, gas sorption onto the grains of the porous
media, etc. T+G has the same general capabili-
ties, but does not include water, thus describing
a single-phase, dry-gas system.

We validate the codes against available analyti-
cal and semi-analytical solutions. We show the
code capabilities in a series of problems of in-
creasing complexity, ranging from isothermal
flow in simpler 1D and 2D conventional gas res-
ervoirs, to non-isothermal gas flow in 3D frac-
tured shale gas reservoirs involving multiple
types of fractures, micro-flow, non-Darcy flow
and gas composition changes during production.
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Figure 10. Prediction of gas production and composi-
tional changes in Problem A3 (Freeman et al., 2012).
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